A novel method for the integration of multi-scale rock and fluid information was performed on a single well deep-water exploration discovery. The method integrates diverse data types through physically constrained models into a single earth model. Development scenarios were optimized through multiple flow simulations. The development scenarios were designed to investigate the range of uncertainty in the earth model. This technique utilizes a single integrated earth model and multiple simulations in contrast to techniques that cannot reproduce the seismic, or reproduce the seismic but require a flow simulation for each geologic "realization".
The resulting model will reproduce the original seismic amplitude data and all of the well data, although the well data were not explicitly used in the seismic inversion or the "inversion-of-the-inversion" estimation of petrophysical properties. Each cell in the resulting fine-scale geologic model contains porosity, permeability, and oil saturation.
The static model was up-scaled for dynamic flow simulation to estimate productivity and evaluate various development schemes. Numerous simulations were performed to address uncertainties in the geologic model and to account for risks associated with the geophysical imaging problems, and flow capacity. Two sets of distributions were assigned to porosity and permeability in the simulator for separate areas of the reservoir. A distribution was also assigned to fault transmissibility.
The results of hundreds of simulator realizations were then used to estimate the range of uncertainty in reservoir performance under varied development scenarios.
Introduction
An accurate and precise prediction of reservoir rock and fluid properties is fundamental to the prediction of reservoir performance. Improved results are obtained when all of the available data are integrated. However, there are significant scale and measurement issues in the integration of all data types. As an example, a porosity interpretation from wireline logs in a well bore usually samples on the order of 13 cubic feet, or 0.1% of the volume of a 328 by 328 by ½ foot cell. A core plug would sample only 0.0001% of the volume. Fortunately, seismic samples 100% of the sub-surface and is therefore a critical measurement for inter-well property description. Seismic responds to impedance changes in the subsurface, but does not directly measure reservoir properties such as porosity, fluid saturation, permeability. To fully incorporate seismic information into reservoir characterization, a technique was developed to assure consistency between geology, rock and fluid properties, and acoustic impedance from seismic. Dynamic probabilistic reservoir simulation uses the reservoir property model and the associated uncertainties as input.
The workflow to implement the technique consisted of both well-known and novel components. The traditional steps were: borehole petrophysical evaluation, development of a rock physics model from wireline log measurements, stratigraphically-constrained seismic inversion, construction of a 3-D geocellular model, conversion of the time-based impedance volume into the depth domain, and up-scaling from the fine-scaled static model for flow simulation.
The novel aspects were the inversion of the impedance into reservoir properties with a petrophysical and a fine-scaled geologic model with uncertainty analysis, and multiple finitedifference flow simulations to characterize the range of possible rate profiles and reserves across the uncertainty spectrum.
Well bore Petrophysical Evaluation
The wireline measurements were evaluated for the conventional properties of porosity and fluid saturations. Additional properties and models required for this study included elastic properties of the rock and fluids, a permeability prediction consistent with the capillary pressure model and measured fluid mobilities, height-dependent water saturation, and a rock physics model to relate acoustic impedance from inverted seismic to these reservoir properties. The available measurements consisted of resistivities of multiple volumes of investigation, bulk density, thermal neutron porosity, compressional and shear slownesses, and wireline pressure tests.
The formation water salinity was estimated from the deep formation resistivity in the aquifer, which was consistent with the water density gradient observed with the wireline formation tester. The hydrocarbon fluid properties were estimated from analogous fields using Batzelle-Wang 1 relationships to estimate the densities and bulk moduli of the fluids at reservoir conditions. The predicted oil density was consistent with the oil density gradient observed with the wireline formation tester.
Porosity was evaluated by iteratively solving for porosity and flushed zone saturation using the density and shallow resistivity measurement. The uncertainty in porosity considers measurement precision, mineral and fluid densities, and water resistivity.
Water saturation was calculated using the Archie 2 model. The uncertainty of water saturation was calculated using standard propagation of error techniques 3 . The log-calculated water saturation was used to derive a capillary pressure model and to calculate the mixed fluid bulk modulus at in situ conditions. The geocellular model was populated with a simplified Leverette 4 "J"-function. The dashed line in the saturation track of Figure 1 is the model prediction and the solid line is the log-calculation result.
The permeability track in Figure 1 illustrates a good match between the prediction, solid curve, and the wireline tester mobilities, points. The estimate was based on the Timur 5 relationship. The absolute permeability in the 3-D model was estimated by increasing the porosity exponent of the equation from 4.4 to 4.5 and assuming an irreducible water saturation of 42%. The irreducible water saturation assumption is required to obtain reasonable results in the transition zone and the aquifer. The combination of irreducible water saturation and porosity exponent was selected to best match the logcalculated permeability curve across the entire saturation range.
The mobilities represent hydrocarbon effective permeability as the fluid viscosity multiplier was near unity.
The logged compressional and shear slownesses and bulk density were inverted for elastic properties using the previously determined individual fluid properties and saturations through Gassmann's 6 equations. The mineral constituents of the lithologies encountered in the well appear to be reasonably approximated as a mixture of quartz and a composite clay. The rock physics model assumed a constant mineral modulus throughout. Whether it was this assumption, anisotropy, or a rock modulus assumption, the predictions are somewhat degraded in the shales above the modeled interval.
Predictive relationships of the dry frame and shear moduli from porosity were quantified by regression analysis. Porosities of 16% and lower were considered shales and characterized with separate relationships.
Stratigraphically-Constrained Seismic Inversion
The seismic inversion used a stratigraphically constrained technique 7 on a stacked 3-D seismic amplitude volume. The well information is used only to create an a priori model of the low frequency impedance trend and a solution corridor, Figure  2 . The a priori model is varied spatially as required, to represent geologic variability.
These variations are implemented along stratigraphically significant horizons.
Reinterpretation is always required after the first inversion of the seismic as it is rare that the horizon interpretation(s) of the amplitude volume coincides with the actual location of the interface in the acoustic impedance volume. The methodology typically utilizes several inversion-interpretation cycles, where the horizon time picks, the low frequency impedance trend, and the solution corridor are varied. The successive results are analogous to fine tuning a microscope.
Each inversion is validated by the well information, but is not constrained to an exact solution by the borehole data. This recognizes that inconsistencies will exist between different experiments, each sampling different volumes of the subsurface. The seismic acoustic impedance should not be expected to match well acoustic impedances, but should show similar trends. The resulting impedance volume is a scaled, signal enhanced layer property, Figure 3 .
Construction of the Geocellular Model
A 3-D geocellular "static" model containing over 25 million cells was constructed. The average cell thickness was 0.5 feet with an areal dimension of 328 by 328 feet. The interpreted time surfaces and acoustic impedance volume were converted to depth using the well and the seismically observable hydrocarbon-water contact as control points.
Petrophysical properties encountered at the well were assigned away from the well to the intersecting layers to fill the entire 3-D volume with initial "guesses", Figure 4 . The primary consequence of this areal distribution technique is that vertically, the relative values of petrophysical properties, e.g., relative porosity increasing upwardly, are retained everywhere. This is appropriate with the depositional environment of these reservoir units, but in other depositional environments has required the use of more discrete geological "objects" such as channels.
Inversion of the Impedance into Reservoir Properties
Numerous methods were considered to characterize the interwell reservoir properties. Some of the problems with application of the other considered methods included: amplitudes are an interface property and subject to several effects that can be removed or minimized with inversion; sampling bias, e.g., only the highest amplitudes were sampled by the amplitude-based well location; well data extrapolation alone provides no direct information about areal heterogeneity; seismic amplitudes or impedances used as a template for each reservoir property provide no means of determining if the properties will reproduce the seismic; and direct transformation of acoustic impedance to reservoir properties rarely has the resolution for use in flow and does not take into account the non-linear multivariate aspects of reservoir properties.
The technique used to populate the static model combines the detailed layering of the well log with the comprehensive areal sampling of the seismic to characterize the inter-well areas. The technique employs the rock physics model to estimate the elastic moduli in each finely layered cell of the geologic model over each interval of constant acoustic impedance. Properties are "up-scaled" to yield equivalent media for comparison at seismic resolution.
The "inversion of the inversion" technique 8 alters these initial estimates of the reservoir petrophysical properties, while retaining the vertical property relationships. The objective function is to minimize the difference between the seismically determined acoustic impedance and the up-scaled prediction of acoustic impedance, Figure 5 . Figure 6 illustrates the porosity resulting from the process. As the other reservoir properties are linked to porosity and spatial location, each cell in the resulting fine-scale model contains porosity, permeability, and hydrocarbon saturation. Figure 7 illustrates the co-located result of the petrophysical property optimization (PHI_AI) and the borehole interpretation (PHI_WELL). This plot includes a portion of the over-lying shales, which largely contribute to the sub-parallel trend of predicted porosity less than log interpreted porosity. As with the seismic inversion, at no time during the inversion into reservoir properties is the well information used explicitly. Figure 8 illustrates the quality of the prediction at the well location. The first track is an interpretation of clay volume. The second track overlays the IOI optimized porosity with porosity from log analysis. The third track overlays the earth model water saturation (dots) with that from logs (solid curve). The last track overlays the IOI model permeability (small dots) with wireline formation tester mobility (larger dots) and that from logs (solid curve).
The well match is primarily a quality control on the combined accuracies and precisions of the input seismic, seismic inversion, rock physics model, and the log analysis. The geology is locally known in the vicinity of the well location and the uncertainty in the geology will increase away from the well. The design of this project was to capture this uncertainty in the flow simulation process.
One commonly utilized workflow for volumetric estimates of hydrocarbon in-place was quantified for comparison. This workflow considers the area contained within an amplitude anomaly outline as the productive reservoir area. The petrophysical properties at the well location, i.e., net reservoir thickness, porosity, and oil saturation, are then used to calculate the oil-in-place. Figure 9 depicts the comparison of cumulative probabilities of oil-in-place between the two techniques. There is greater precision in the proposed technique, which also provides a simulation-ready, fine-scale 3-dimensional model.
Up-Scaling of the Fine Scale Model
The primary objective of up-scaling the static model was to reduce the number of calculations (cells) to decrease simulator run times. The step was particularly important for this project in order to facilitate the creation of hundreds of runs in a practical amount of time. Faults apparent from the seismic but not explicitly included in the static model were added to the up-scaled model to allow for the evaluation of uncertainty in fault transmissibility. The static model was reduced from 130 columns, 208 rows, and 930 layers to 32 by 20 by 21.
Flow Simulation
Uncertainty in the up-scaled geological model was characterized by the specification of property probability distribution functions. Software 9 was utilized that automatically randomly samples the range of multivariate uncertainty and constructs a flow simulation input deck for submission. The number of zones, regions, and properties are specified as needed.
Simulation properties are scaled to reflect the relative probability commensurate with uncertainty. Porosities multiplied by a value very close to 1.0 have a higher chance of occurrence than those do with a scale factor of 0.5. By using a scale factor on the original estimations, the areal heterogeneities and spatial relationships for the property changes are preserved. Porosity, permeability, and fault transmissibility were all assigned probability distributions determined during the construction of the final static model.
In this case study, a shallow high contrast event existed that may have obscured or altered the seismic amplitudes in part of the reservoir. Any errors in seismic amplitude are propagated through to all derived variables. Therefore, additional probability density functions were developed to characterize the areas inside and outside of the event shadow. The reservoir properties in the area under the event were assigned a much broader possibility range for property scaling than those outside.
Flow simulations encompassing the reservoir property probability ranges were automatically submitted for both one and two well development scenarios. Each simulation represented a possible development outcome with a given input, e.g., number of wells, fault transmissibility, or aquifer size. The results of 50 realizations per development scenario were used to estimate uncertainty of reservoir performance under the various development options. Figure 10 , shows the cumulative oil production for two possible single well developments. The left panel is a single well positioned in the seismically well-imaged area with characteristically low variance of the performance estimates. The right panel is a well completed in the high seismic uncertainty area. Note the significant dispersion in the overall cumulative production in the second panel compared to the first. Also, the cumulative production curves cross and are not scaled copies of each other, which demonstrates the nonlinearity of the response to changing reservoir properties and conditions. Figure 11 illustrates a two well case in which the first well is in the lower risk area and the second well is located in the potentially obscured area. Figure 12 illustrates the rate profiles for the same two-well scenario. The middle solid line is the mean value of all the runs at each time step. The lines above and below the mean are plus and minus one standard deviation from the mean. Note that the distribution is not uniformly distributed about the mean. This is problematic for economic evaluations assuming normal or other parametric forms as input. Figure 13 , shows an estimate of the probable reserves in the field as a function of a one well or a two well development scheme. The solid curves were generated by integrating the histogram of total oil recovered for both the one and two well cases. A value of 50 on the CDF axis represents a median, or P50 case.
Conclusions
A new methodology of combining all available data types into a single integrated, data-consistent static geological model, which is dynamically characterized through multiple flow simulations that sample the uncertainty in the reservoir parameters was introduced.
The "inversion of the inversion" technique guarantees, within a given uncertainty, consistency between the geologic model, well information, and seismic data. Each reservoir property in each cell in the geologic model has an error bar associated with it. Since the derived values are obtained by the integration of multiple data sources, the error is minimized and the precision of the estimate is increased.
The automatic submission of multiple reservoir simulation models allows for the systematic sampling of the reservoir property uncertainty and the propagation of these uncertainties through to reservoir performance. The complex interaction of the multi-property, multi-scenario reservoir development is captured. 
SI Metric Conversion Factors

